
1. Introduction
The empirical extension of Darcy's law for flow in a porous medium to multiple phases proposed 85 years ago 
implicitly assumes that each phase flows, in steady-state, through a fixed subset of the pore space, and explicitly 
states that there is a linear relationship between pressure gradient and flow rate (the Darcy flux of each phase) 
(Wyckoff & Botset, 1936). While for two-phase flow it is now well-established that a non-linear relationship be-
tween rate and pressure gradient emerges for fast flows, there is still a linear Darcy-like regime for capillary-con-
trolled displacement, which is seen in most natural and engineered settings, where the fluids indeed flow through 
fixed pathways (Gao et al., 2017; Gjennestad et al., 2020; Reynolds et al., 2017). Therefore, the presumption is 
that in three-phase flow again there would be a capillary-dominated flow regime with fixed flow paths.

In this paper, we show that this is not the case and that three-phase flow appears to have a unique dynamics; even 
for capillary-controlled flow, the most non-wetting phase (gas in our experiments) is always disconnected across 
the system and is transported through the intermittent opening and closing of critical flow paths. This is facilitat-
ed by double and multiple displacement events, which are a unique feature of three-phase flow (Øren et al., 1992; 
Sohrabi et al., 2004; Sorbie & van Dijke, 2010; van Dijke & Sorbie, 2002).

Quantifying three-phase flow is essential for the design of reservoir models that simulate the behavior of gas, 
oil and water in geological systems (Blunt, 2017; Oak, 1990). These models help make operational decisions for 
many subsurface applications including carbon capture and storage (CCS) (Bickle, 2009; Kramer, 2020; Stewart 
et al., 2018), nonaqueous phase liquid (NAPL) pollutant removal (Descorme, 2017; Mayer & Miller, 1993), and 
enhanced oil recovery (EOR) processes (Abdulkareem & Padmanabhan, 2021; Blunt et al., 1993; Lake, 1989). 
At present, relative permeability, the saturation-dependent factor by which flow conductance is reduced in mul-
tiphase flow, can either be measured experimentally or predicted empirically (Blunt, 2017). However, our em-
pirical models are currently incapable of predicting three-phase relative permeability to within an acceptable 
accuracy in many circumstances (Alizadeh & Piri, 2014b). This is mainly attributed to the lack of understanding 
of the impact of complex pore-scale processes that occur during three-phase flow, namely wettability, layer flow, 
multiple displacements, and saturation history, on relative permeability. Indeed, as stated above, it is not even 
evident that a Darcy-like law to describe the flow is valid at all.

The steady-state method is considered to be the most reliable approach to measure relative permeability since 
it directly uses the multiphase Darcy law (Alizadeh & Piri, 2014b; Honarpour et al., 1986). Here, the fluids are 
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simultaneously injected into the rock at a set of fixed fractional flows and the differential pressure drop and satu-
rations are recorded when steady-state conditions are reached (Honarpour et al., 1986). Nevertheless, laboratory 
measurements of three-phase relative permeability are complicated, expensive and time consuming. Therefore, 
rather than only relying on experimental measurements of macroscopic properties, we need to improve our mod-
els through a comprehensive analysis of the relationship between relative permeability and the underlying pore-
scale phenomena. To do so, in this work, we develop a novel approach that combines the steady-state three-phase 
relative permeability measurement method with pore-scale X-ray imaging techniques.

In recent years, three-dimensional X-ray microtomography (micro-CT) has emerged as an attractive tool for 
studying multiphase flow processes in porous media (Blunt et al., 2013; Cnudde & Boone, 2013; Wildenschild & 
Sheppard, 2013). This non-invasive technology offers the advantage of visualizing the pore space and the fluids 
within it, providing valuable information on the fluid configuration and arrangement as well as saturation. Early 
work using X-ray imaging focused on investigating unsteady-state two-phase displacements which helped in as-
sessing trapping and recovery efficiency for CO2 storage and oil recovery applications (Alhammadi et al., 2017; 
Alhosani, Scanziani, Lin, Foroughi, et  al.,  2020; Andrew et  al.,  2014b,  2014c; Armstrong et  al.,  2012; Berg 
et al., 2013; Herring et al., 2017; Singh et al., 2016, 2017). The scope of the tool was then extended to study 
steady-state two-phase flow which enabled the simultaneous determination of relative permeability with capil-
lary pressure in water-wet, oil-wet and mixed-wet rocks (Alhammadi et al., 2020; Gao et al., 2017, 2019; Gao, 
Raeini, et al., 2020; Lin et al., 2018; Zou et al., 2018). The pore-scale insights gained from combining steady-state 
two-phase flow with pore-scale imaging have led to significant breakthroughs in the field, explaining the rela-
tive contribution of trapped phases, layers and micro-porosity to two-phase flow mechanisms, which helped in 
interpreting core-scale two-phase relative permeability data (Alhammadi et al., 2020; Gao, Raeini, et al., 2020).

In contrast, the use of pore-scale X-ray imaging in three-phase flow studies has been limited to unsteady-state 
experiments (Alhosani, Lin, et al., 2021; Alhosani et al., 2019; Alhosani, Scanziani, Lin, Raeini, et al., 2020; 
Alhosani, Scanziani, Lin, Selem, et  al.,  2020; Feali et  al.,  2012; Iglauer et  al.,  2019; Qin et  al.,  2019; Scan-
ziani, Alhammadi, et al., 2018; Scanziani, Alhosani, et al., 2020; Scanziani, Lin, et al., 2020; Scanziani, Singh, 
et al., 2018; Scanziani et al., 2019); to date, there is not a single experiment that combines three-phase steady-
state flow with pore-scale imaging. This is solely ascribed to the practical complications of the experiment as we 
will discuss later. Alhosani, Bijeljic, and Blunt (2021) provide a synthesized review of unsteady-state three-phase 
pore-scale imaging studies. They highlight the recent insights gained on the pore-scale processes that control 
three-phase flow, with a particular focus on the impact of surface wettability and gas-oil miscibility on wettability 
order, double displacements, and trapping. To this end, we believe that developing an approach that combines 
three-phase steady-state flow with pore-scale imaging, where both relative permeability and capillary pressure 
can be measured simultaneously, as applied in two-phase flow (Gao et al., 2017; Lin et al., 2018), can ultimately 
aid in the development of rigorously validated, physically based pore-scale models and empirical correlations to 
predict three-phase relative permeabilities under various wettability and miscibility conditions.

Furthermore, pore-scale imaging can provide solutions to some of the challenges often faced during steady-state 
three-phase relative permeability measurements. With X-ray imaging, surface wettability can be directly assessed, 
especially to differentiate between weakly oil-wet and strongly oil-wet systems (Alhosani, Lin, et al., 2021; Al-
hosani, Scanziani, Lin, Raeini, et al., 2020; Alhosani, Scanziani, Lin, Selem, et al., 2020; Blunt et al., 2021). 
Pore-scale imaging can also confirm in situ the existence of spreading layers, rather than relying on an empirical 
relationship between the interfacial tensions to determine whether or not a phase will spread (Feali et al., 2012; 
Scanziani, Singh, et  al.,  2018). The use of imaging can help overcome a major drawback of the steady-state 
approach, which is the capillary end effect, by providing a direct assessment of the saturation profile along the 
sample (Lin et al., 2018). This can help identify and/or eliminate the regions influenced by boundary effects, 
increasing the accuracy and reliability of steady-state relative permeability results.

We will study three-phase flow in a water-wet porous medium. This system is well defined in the literature, with 
an unambiguous wettability order: water, most-wetting, resides in the smallest pores and wetting layers, gas, most 
non-wetting, occupies the biggest pores, while oil, intermediate-wet, spreads in layers sandwiched between gas 
and water in medium sized pores (Blunt, 2017). In such systems, it is typically assumed that during steady-state 
flow all three fluid phases are connected in the pore space: gas is continuous in the larger pores, oil in spreading 
layers, and water in wetting layers. This assumption is embedded in models, including pore network models 
(Piri & Blunt, 2005a, 2005b) and empirical expressions for relative permeability (Baker, 1988; Stone, 1970), 
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that predict three-phase relative permeability. However, in this study, using 
pore-scale imaging, we show that this assumption is incorrect and in fact, gas 
flows in disconnected ganglia surrounded by oil and water layers.

Our experiment was conducted under capillary-dominated, immiscible gas-
oil conditions. We have designed a new flow cell that enables X-ray imaging 
at the pore-scale while simultaneously injecting three fluid phases into the 
rock. Three-phase relative permeability is measured by monitoring the pres-
sure drop across the sample, while saturations are obtained from the high-res-
olution (5.3 μm/voxel) images. We investigate a saturation history, where the 
gas fractional flow is first increased and then decreased. We compare our 
relative permeability measurements with core-scale data, obtained on the 
same rock type, and show that there is an agreement in the results, indicating 
the accuracy and applicability of our method. Furthermore, we estimate the 
capillary pressures by extracting the fluid-fluid interfacial curvatures from 
the images. In addition, we characterize fluid connectivity, pore occupancy, 
layer formation and contact angles at different fractional flows.

We show that, contrary to the conventional assumption, gas flows in discon-
nected ganglia when injected simultaneously with oil and water under steady-
state conditions in a water-wet rock. Gas progresses through the center of the 
pores in the form of discrete blobs surrounded by oil and water layers; it is 
continuously displaced from the inlet to the outlet by double and multiple dis-
placements. We observe intermittent flow regions, where gas and oil, and wa-
ter and oil interchangeably occupy the same pores during steady-state flow. 
This work suggests that in three-phase flow we may never genuinely attain 
steady-state conditions at the pore-scale, although we have, macroscopically, 
a constant saturation, since the fluid arrangement at the pore-scale is con-
stantly fluctuating between locations of local capillary equilibrium.

2. Experimental Method
In this section, we first provide details of the rock sample and fluids used to perform the three-phase steady-state 
experiment. We then move on to describe the newly designed flow cell which permits the simultaneous injection 
of three fluid phases while allowing for the pressure drop to be recorded and high-resolution pore-scale images 
to be taken. Next, the set of gas, oil, and water fractional flows selected for the experiment are listed in detail. 
Finally, we describe the X-ray imaging parameters and image processing techniques implemented to analyze the 
pore-scale images obtained at different fractional flows.

2.1. Materials

The three-phase steady-state imaging experiment was performed on a Bentheimer sandstone sample of diameter 
1.26 cm, and length 4.23 cm. Bentheimer sandstone has a unimodal pore radii distribution, with a mean pore 
radius of 30 μm, and consists of around 95% quartz with minor amounts of kaolinite and swellable clay minerals 
(Peksa et al., 2015). The pore size distribution is plotted in Figure S1. The selected sample has a total porosity of 
0.24 measured using the differential imaging method (Lin et al., 2016). In this method, the sub-resolution poros-
ity is identified by subtracting a dry image of the sample from one where it is fully saturated with a high-contrast 
solution. Figure 1 shows the distribution of the image-based porosity across the length of the sample. The abso-
lute permeability (k) of the sample, measured at the experimental conditions, is 1.75 ± 0.03 D (1.73 × 10−12 ± 
0.03 × 10−12 m2).

In terms of fluids, nitrogen (N2) was used as the gas phase, n-decane (C10H22) as the oil phase, and deionized 
water (H2O) as the water phase. To distinguish between the three fluid phases in the X-ray images, 17.5 wt.% 
Iododecane (C10H21I) and 25 wt.% sodium iodide (NaI) were added to the oil and water phases respectively. This 
process is known as doping, which alters the X-ray attenuation of the fluids providing a different gray-scale value 
for each phase in the pore-scale images.

Figure 1. Porosity distribution along the Bentheimer sample characterized 
using the differential imaging method (Lin et al., 2016). Below is a two-
dimensional image of the whole sample, highlighting the macro-pores, sub-
resolution pores and the solid rock surface. Solid is shown in black, macro-
pores in white, and sub-resolution pores in gray.



Water Resources Research

ALHOSANI ET AL.

10.1029/2021WR031147

4 of 26

The experimental pore pressure was maintained at 1 MPa, and the temperature at 30 °C. At these conditions, 
gas and oil have dynamic viscosities of μg = 0.017 mPa·s (ToolBox, 2018) and μo = 4.27 mPa·s (NIST, 2019) 
respectively, with an interfacial tension of σgo = 11.2 𝐴𝐴 mN ⋅m−1 (Jianhua, 1993). Oil and gas are immiscible at the 
selected experimental conditions. Water has a dynamic viscosity of μw = 1.40 mPa·s with an interfacial tension 
of σow = 52.1 𝐴𝐴 mN ⋅m−1 with oil, and σgw = 63.7 𝐴𝐴 mN ⋅m−1 with gas (Alhosani, Scanziani, Lin, Selem, et al., 2020; 
Jianhua, 1993; NIST, 2019).

The spreading coefficients (Cs) with an interfacial tension of Csi = σjk ‒ σij ‒ σik, where i, j, and k denote the three 
fluid phases. The only positive spreading coefficient is of oil (Cso = +0.4 𝐴𝐴 mN ⋅m−1 ), indicating that it is only 
possible for oil to spread in layers sandwiched between the other two phases in the pore space.

2.2. Steady-State Flow and Imaging Apparatus

To perform a three-phase steady-state flow experiment, three fluid phases must be simultaneously injected into 
the sample while recording the differential pressure drop across the system. While this can be achieved in the lab, 
the difficult part in our experiment is integrating this process with pore-scale imaging. Acquiring high-resolution, 
micro-scale images requires the X-ray source to be placed close to the sample. However, having four injection 
ports (three ports for fluid injection and one for pressure measurement), would require a large fluid injection 
piece; therefore, the source must be pushed away from the sample, which reduces the spatial resolution of the 
images.

To overcome this issue, we designed, in-house, a new coreholder, flow cell, which consists of three primary com-
ponents: (i) injection piece, (ii) production piece, and (iii) coreholder body, see Figure 2. The injection piece was 
made of stainless steel and has four injection ports that are in direct contact with the sample inlet. Stainless steel 
was chosen since it is highly resistant to corrosion and can withstand high operating pressures and temperatures. 
There is an additional confining port which is used to inject a confining fluid into the coreholder annulus. Fig-
ure 2a shows that there is a mixing groove that connects the four injection ports. This groove was placed to allow 
for the three fluid phases to mix before entering the sample, therefore, preventing the accumulation of the phases 
on the side of their injection port. The fourth port is needed to measure the pressure at the inlet of the sample. The 

Figure 2. A schematic of the new coreholder design which allows for combining steady-state three-phase relative 
permeability measurements with pore-scale imaging. The design assembly consists of three main components: (i) injection 
piece, (ii) production piece, and (iii) coreholder body. Refer to the text for a detailed description of the coreholder design.
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injection rod is around 12 mm in diameter allowing for X-ray images to be acquired at a resolution of 5.3 μm per 
voxel which is sufficient to capture the pore-scale properties during steady-state three-phase flow.

The production piece has a single port to allow for the displaced fluid phases to be produced (Figure 2b). The 
outlet pressure is measured downstream of the production piece, outside the coreholder assembly. The coreholder 
body is made of a thermoplastic polymer known as Polyether ether ketone (PEEK), as opposed to more conven-
tional carbon fiber designs (Andrew et al., 2014a); PEEK is almost X-ray transparent. The PEEK walls are around 
3 mm thick which results in a stiff cylindrical design that shows no/little movement as it rotates when mounted 
with stainless steel end pieces at high pressure and temperature conditions. Minimizing movement during rota-
tion is key to performing repeat X-ray imaging experiments.

The combined pore-scale imaging and steady-state three-phase flow apparatus is shown in Figure 3. The appara-
tus consisted of five Teledyne Isco pumps, a Keller PD-33X differential pressure transducer, the newly designed 
PEEK coreholder and a Zeiss Xradia 510 micro-CT scanner.

2.3. Three-Phase Relative Permeability Experiment

The steady-state three-phase relative permeability experiment was performed with constant flow rates at 30°C 
and 1 MPa pore back pressure. A net confining pressure of 2 MPa was applied at all fractional flows, and the 
differential pressure was measured with an accuracy of ±0.03 kPa. The fluids were always injected from the bot-
tom of the sample as shown in Figure 3. The impact of gravity on the flow of fluids during the experiment was 
assessed using the Bond number, shown in the Supporting Information S1. The Bond number indicates that at the 
pore-scale, the gravitational forces are small compared to the capillary pressure and therefore are insignificant. 
However, they could have an effect on the macroscopic properties, such as saturation, at the full sample length-
scale. Nonetheless, as shown later in Section 3.5, we see almost constant fluid saturations in the experiment and 
no evidence of a capillary pressure gradient.

Figure 3. The combined steady-state three-phase flow and pore-scale X-ray imaging apparatus. The dashed line represents the micro-CT enclosure. The coreholder, 
pumps, flow lines, valves, and pressure transducer in the experiment were assembled as shown in the schematic diagram.
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In this study, three-phase steady-state conditions were reached at various gas, 
oil, and water fractional flows (fg, fo, and fw) by keeping constant fluid flow 
rates with a total flow rate of Qt = 0.8 mL/min. The fractional flows selected 
for the experiment are listed in Table 1. The waiting time for each fractional 
flow to reach steady-state conditions was at least 12 hr. After that, we wait-
ed until the differential pressure was constant over a period of at least 1 hr, 
to record the pressure drop and start X-ray imaging to determine the fluid 
saturations.

The experiment was performed under capillary-dominated conditions. The 
capillary numbers between any two fluid pairs i and j were calculated at dif-
ferent fractional flows using Caij = μiqi/σij, where σij is the interfacial tension 
between the phases, μi is the viscosity of the injected fluid and qi is its Darcy 
velocity. As a characteristic of water-wet media with spreading oil layers sur-
rounding the gas, we assume that gas and water can only displace oil, while 
oil can displace both gas and water; gas and water cannot directly displace 
each other, as we will show later. Table  2 lists the possible displacement 
capillary numbers at different fractional flows during the experiment. The 
highest capillary number is 3.15 × 10−6 corresponding to a displacement of 
gas by oil in flooding step 11, see Table 2, which is still in the capillary-dom-
inated flow regime; see Figure S7.

The selection of the set of fractional flows was done with special care to fol-
low a certain saturation history and avoid any unwanted irreversible switch 
between drainage and imbibition displacement processes. In this experiment, 
we investigate the impact of a saturation history, where the gas fractional 

flow is first increased and then decreased, on three-phase relative permeability. To do so, we adopt an approach 
in which we keep the oil and water saturation changes in the same direction, while keeping oil and water flow 
rates the same (treating them as a single phase) – and change the gas saturation in the opposite direction (Alizadeh 
& Piri, 2014a, 2014b; Oak, 1990; Oak et al., 1990; Saraf et al., 1982). This can be seen in Table 1, where, first, 
the gas flow rate is increased and oil and water flow rates are decreased in steps 4, 5, and 6, and then gas rate is 
decreased and oil and water are increased in steps 7, 8, 9, 10, and 11.

The experimental protocol followed to initiate the steady-state three-phase flow micro-CT imaging experiment 
is described below:

Flooding 
step fw fo fg

Qw (mL/
min)

Qo (mL/
min)

Qg (mL/
min)

1 1 0 0 0.8 0 0

2 0 1 0 0 0.8 0

3 0.5 0.5 0 0.4 0.4 0

4 0.25 0.25 0.5 0.2 0.2 0.4

5 0.125 0.125 0.75 0.1 0.1 0.6

6 0 0 1 0 0 0.8

7 0.125 0.125 0.75 0.1 0.1 0.6

8 0.1875 0.1875 0.625 0.15 0.15 0.5

9 0.25 0.25 0.5 0.2 0.2 0.4

10 0.3125 0.3125 0.375 0.25 0.25 0.3

11 0.375 0.375 0.25 0.3 0.3 0.2

Note. Subscripts w, o and g refer to the water, oil and gas phases respectively. 
The total flow rate in the experiment was Qt  =  0.8  mL/min. Gas was 
introduced into the system in flooding step 4, with maximum gas fractional 
flow fg = 1 reached in step 6.

Table 1 
The Set of Gas, Oil, and Water Fractional Flows at Which Steady-State 
Conditions Were Reached in the Three-Phase Flow Experiment. f and Q 
Refer to the Fractional Flow and the Flow Rate, Respectively

Flooding step Ca[go] Ca[og] Ca[ow] Ca[wo]

1 - - - -

2 - - 1.81 × 10−6 -

3 - - 9.05 × 10−7 3.39 × 10−7

4 1.79 × 10−8 2.10 × 10−6 4.52 × 10−7 1.69 × 10−7

5 2.68 × 10−8 1.05 × 10−6 2.26 × 10−7 8.48 × 10−8

6 3.57 × 10−8 - - -

7 2.68 × 10−8 1.05 × 10−6 2.26 × 10−7 8.48 × 10−8

8 2.23 × 10−8 1.57 × 10−6 3.39 × 10−7 1.27 × 10−7

9 1.78 × 10−8 2.10 × 10−6 4.52 × 10−7 1.69 × 10−7

10 1.34 × 10−8 2.63 × 10−6 5.65 × 10−7 2.12 × 10−7

11 8.94 × 10−9 3.15 × 10−6 6.78 × 10−7 2.54 × 10−7

Note. Capillary numbers were calculated using Caij = μiqi/σij, where σij is the interfacial tension between the phases, μi is the viscosity of the displacing fluid and qi is its 
Darcy velocity. A gas-oil number represents the capillary number calculated when gas displaces oil in the pore space, as is the case for the other pairs. Refer to Table 1 
for the fractional flows of each flooding step.

Table 2 
The Gas-Oil, Oil-Gas, Oil-Water and Water-Oil Capillary Numbers Calculated at Different Fractional Flows During the Steady-State Three-Phase Flow Experiment
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1.  First, the sample was wrapped with aluminum foil and inserted in a Viton sleeve. The bottom and top ends of 
the Viton sleeve were mounted on the injection and production pieces respectively as shown in Figure 3. The 
Viton sleeve sealed the rock sample from coming into contact with the confining fluid.

2.  The coreholder was then placed inside the micro-CT enclosure and all the pumps and flow lines were connect-
ed as shown in Figure 3. The differential pressure transducer was connected to the inlet and outlet to measure 
the pressure drop across the sample.

3.  The empty annulus space between the Viton sleeve and the PEEK coreholder body was filled with the confin-
ing fluid, deionized water, and a net confining pressure of 2 MPa was applied. At this point a dry scan of the 
sample was acquired at 5.3 μm/voxel resolution.

4.  200 pore volumes (PV) of water (25 wt.% NaI) were injected into the sample to fully saturate the pore space 
and the pore pressure was raised to 1 MPa using a back-pressure pump. Water was injected at four flow rates 
(0.2, 0.4, 0.6 and 0.8 mL/min) while recording the stable pressure drop to calculate the absolute permeability 
of the sample, which was found to be 1.73 × 10−12 ± 0.03 × 10−12 m2 (k = 1.75 ± 0.03 D). A 5.3 μm/voxel 
water saturated scan was acquired at this point, which allowed for the characterization of the porosity distribu-
tion, including sub-resolution porosity, of the sample using the differential imaging method (Lin et al., 2016), 
see Figure 1.

5.  Oil (17.5 wt.% C10H21I) was injected into the sample at a flow rate of 2 mL/min to reach the irreducible wa-
ter saturation. The flow rate was then dropped to 0.8 mL/min to measure the pressure drop and a scan was 
acquired.

6.  Water and oil were then simultaneously injected at fw = 0.5, with a total flow rate Qt = 0.8 mL/min, to initiate 
the sample for the three-phase relative permeability experiment. After reaching steady-state conditions be-
tween oil and water, the pressure drop was recorded, and a scan of the sample was acquired.

7.  Gas, oil and water were then simultaneously injected into the sample at the fractional flows listed in Table 1. 
The pressure drop was recorded and scans were taken once steady-state had been reached for each fractional 
flow to calculate the three-phase relative permeabilities. The gas flow rate was not increased when fg = 1 
(flooding step 6, see Table 1).

After the experiment, the rock was taken out and cleaned using DI water to remove any residual gas and oil. The 
sample was then prepared for a repeat experiment, following the same steps mentioned here. In the repeat experi-
ment, we only investigated one set of fractional flows (fg = 0.5, fw,o = 0.25) during both increasing and decreasing 
gas flow paths. The repeat experiment was performed to verify if the gas phase was disconnected during steady-
state injection, see Section 3.4; therefore, no pressure measurements were recorded.

2.4. X-Ray Image Acquisition and Processing

For every fractional flow, after reaching steady-state conditions, three-dimensional images of the sample and flu-
ids within it were acquired using the ZEISS Xradia 510 Versa micro-CT scanner. The photon energy and power 
were set to 80 keV and 7 W, respectively at the X-ray source, with a 360° sample rotation angle. Air was the only 
filter used between the source and sample. A flat panel with a large field of view (12.45 × 12.45 × 10.23 mm) 
at a resolution of 5.3 μm/voxel was employed at the detector. The exposure time was set to 1.60 s with a total of 
3,201 projections. Five images, with a 3.55 mm vertical overlap, were acquired during each scan to capture the 
length of the whole sample.

The images acquired were then reconstructed, normalized, registered, and stitched to obtain three-dimensional 
steady-state images of the rock and fluids at each fractional flow, see Figures 4 and 5.

Image segmentation was then performed to obtain quantitative information, including saturations, fluid-fluid 
curvatures and surface areas. First, to make the segmentation process simpler we decided to ignore the fluid sat-
urations in the sub-resolution porosity; sub-resolution porosity was segmented as a part of the rock phase, except 
when we characterized the porosity distribution along the sample in Figure 1. This assumption is reasonable, as 
in water-wet systems, the sub-resolution porosity remains 100% water saturated, hence, it would not have a major 
impact on the three-phase experimental results.

As mentioned in the Introduction, we see some regions of the pore space with intermediate gray-scale values. We 
hypothesize that these are places where, during the time of the scan, the pore space was occupied for some time 
by oil and for some time by gas or water. In theory, therefore, the fluids in the macro-pores should be segmented 
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into seven different phases: (i) water; (ii) oil; (iii) gas; (iv) gas from intermittent gas-oil regions; (v) oil from in-
termittent gas-oil regions; (vi) oil from intermittent oil-water regions; and (vii) water from intermittent oil-water 
regions. However, this is impractical, especially with our current image segmentation capabilities. Therefore, to 
simplify the segmentation process, while minimizing the impact on the quantitative results we decided to do the 

Figure 4. Two-dimensional cross-sectional raw images of the sample acquired during the steady-state three-phase relative 
permeability experiment. In each image, the gas, oil and water fractional flows (fg, fo, and fw) are stated. The rock, oil, gas, and 
water are shown in light gray, dark gray, black, and white, respectively.

Figure 5. Two-dimensional cross-sectional raw images of the sample acquired during the steady-state three-phase relative 
permeability experiment. In each image, the gas, oil and water fractional flows (fg, fo, and fw) are stated. The rock, oil, gas, and 
water are shown in light gray, dark gray, black, and white respectively.
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following: (a) ignore the oil-water intermittent flow regions, since oil-water intermittency does not occur very 
often, that is, ignore phases (vi) and (vii); (b) segment the gas from intermittent gas-oil regions as part of the gas 
phase, combining phases (iii) and (iv); and (c) segment the oil from intermittent gas-oil regions as part of the oil 
phase, combining phases (ii) and (v). This leaves us with three phases to segment from the pore-scale images.

To segment the images into these three phases, we used an approach that combines differential imaging with the 
interactive thresholding segmentation technique. Intermittent regions display a gray-scale value that is in-be-
tween the gray-scale values of the two intermittent phases. Therefore, using differential imaging was needed to 
widen the gray-scale histograms between the intermittent phases, while thresholding was used to assign 50% of 
the intermittent region to each phase.

The segmentation procedure was as follows: (a) the rock phase was directly segmented from the dry scan, and 
was used subsequently in all the images; (b) for each fractional flow, the image was subtracted from the high 
contrast water scan (fw = 1), eliminating the water and rock phases, which leaves the oil and gas phases only in the 
differential image, with wide gray-scale histograms; (c) the interactive thresholding technique was then used to 
directly segment the oil and gas phases from the differential images; finally (d) the segmented oil and gas phases 
were then added to the segmented rock phase in step (a), and the rest of the unassigned voxels were considered as 
the water phase. The segmentation procedure is explained in more detail in Figure S2.

2.5. Data Analysis

2.5.1. Relative Permeability

The three-phase relative permeabilities were calculated using the multiphase flow Darcy equation (Blunt, 2017):

𝑘𝑘𝑟𝑟𝑟𝑟 =
𝑞𝑞𝑟𝑟𝜇𝜇𝑟𝑟𝐿𝐿
Δ𝑃𝑃𝑘𝑘

 (1)

𝑘𝑘𝑟𝑟𝑟𝑟 =
𝑞𝑞𝑟𝑟𝜇𝜇𝑟𝑟𝐿𝐿
Δ𝑃𝑃𝑘𝑘

 (2)

𝑘𝑘𝑟𝑟𝑟𝑟 =
𝑞𝑞𝑟𝑟𝜇𝜇𝑟𝑟𝐿𝐿
Δ𝑃𝑃𝑘𝑘

 (3)

where kr is the relative permeability, q is the Darcy velocity (flow rate per unit area), μ is the viscosity, k is the 
absolute permeability, ΔP is the pressure drop, and L is the sample length. Subscripts g, o, and w refer to the gas, 
water and oil phases, respectively.

While the pressure drop was measured using the differential pressure transducer, the fluid saturations at each 
fractional flow were measured on the segmented pore-scale images. Only fluid saturations in the macro-pore 
space were considered, see Section 2.4 for more details.

2.5.2. Capillary Pressure

Pore-scale imaging allows us to capture the interface between the fluid phases from segmented images. By 
measuring the curvature of the interface between any fluid pair, oil-water, gas-oil, and gas-water, we can simply 
find their local capillary pressure. This is made possible using the Young-Laplace equation which directly relates 
the capillary pressure Pcij to the interfacial curvature κij through interfacial tension σij (Armstrong et al., 2012):

𝑃𝑃𝑐𝑐𝑐𝑐𝑐𝑐𝑐 = 𝜎𝜎𝑐𝑐𝑐𝑐𝜅𝜅𝑐𝑐𝑐𝑐 (4)

for any combination of phases i and j.

We used a method previously established in the literature to characterize the interfacial curvature from pore-scale 
images (Akai et al., 2019; Armstrong et al., 2012). First, the interface between the fluid pairs was extracted from 
the segmented images and smoothed with a kernel size of 5, in the direction of the less wetting phase, gas in the 
case of gas and oil and gas and water, and oil in the case of oil and water, to remove any voxelization artifacts. 
The total curvatures were then measured on the smoothed interfaces by fitting them with a quadratic surface.
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3. Results and Discussion
Here, we present the pore-scale findings obtained, using X-ray imaging, from 
the steady-state three-phase flow experiment. First, in Section 3.1, we pres-
ent measurements of the fluid-fluid contact angles to confirm the water-wet 
state of the rock, followed by a characterization of the pore occupancy in 
Section 3.2. Then, in Section 3.3, we display measurements of the fluid-fluid 
and fluid-solid specific interfacial areas. These results, alongside the fluid 
connectivity in Section 3.4, are used to explain the three-phase relative per-
meability behavior in Section 3.5. Evidence of intermittent flow regions is 
presented in Section 3.6. The measured local capillary pressures between the 
three fluid pairs are shown in Section 3.7. Finally, in Section 3.8, three-di-
mensional images illustrating the occurrence of double displacement pro-
cesses are presented.

Figure 6 shows the constructed three-dimensional images of the fluid config-
urations in the pore space at different fractional flows.

3.1. In Situ Wettability Characterization

The oil-water, gas-oil, and gas-water contact angles were characterized on 
the same segmented subvolume, of size 2.65 × 2.65 × 2.65 mm, at different 
fractional flows using an automated algorithm that measures the geometric 
angle on the three-phase contact line between each fluid pair (AlRatrout 
et al., 2017). Wettability is typically determined using the oil-water contact 
angle; an angle lower than 90° is indicative of a water-wet system, while 
oil-wet conditions have angles larger than 90° (Blunt, 2017; Salathiel, 1973).

The geometric oil-water contact angles, measured through the denser phase 
(water), are shown in Figure  7. The mean oil-water contact angle, for all 
fractional flows, is 61° ± 16°, confirming the water-wet nature of the sample. 
This is also evident from the two-phase pore-scale images shown in Figure 7 
(right), where oil resides in the center of the pores surrounded by water wet-
ting layers. Furthermore, Figure 7 (left) illustrates that there was no wettabil-
ity alteration throughout the flooding experiment; the contact angle between 
oil and water remains approximately constant. This also indicates that the 
geometric oil-water contact angle is independent of saturation history; the 
oil-water angle was not impacted by switching the saturation path.

As expected, due to the positive initial oil spreading coefficient 
(Cso  =  +0.4 𝐴𝐴 mN ⋅m−1 ), see Section  2.1, oil spreads in layers surrounding 
the gas phase which results in an effective gas-oil contact angle of zero; oil 
is strongly wetting to gas. This is evident from Figure 8, where the three-di-

mensional arrangement of gas, oil and water in a single pore is presented; gas is shown in green, oil in red, water 
in blue, while the rock phase is rendered semi-transparent (gray). As soon as gas contacts oil, oil spreads in layers 
sandwiched between gas and water in the pore space. The presence of oil in layers prevents gas from directly 
contacting water in the pore space; therefore, we were unable to measure the geometric contact angle between gas 
and water. The measured contact angles are consistent with measurements previously made on water-wet rocks at 
immiscible gas-oil conditions (Andrew et al., 2014a, 2014b; Scanziani, Singh, et al., 2018).

3.2. Pore Occupancy

The size of the pores occupied by the three fluid phases, also known as pore occupancy, was determined using 
an approach developed by Scanziani, Singh, et al. (2018) which combines the maximal ball method with the gen-
eralized network extraction algorithm (Bultreys et al., 2015; Dong & Blunt, 2009; Raeini et al., 2017). The pore 
network model is first extracted from a dry scan of the rock, where the pores are represented by spheres and their 

Figure 6. Three-dimensional volume rendering of the fluid configurations 
in the pore space during the three-phase steady-state experiment at different 
fractional flows. Gas is shown in green, water in blue and oil in red. The rock 
is rendered transparent. Gas, oil, and water fractional flows (fg, fo, and fw) are 
stated.
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size is the diameter of the sphere. The spheres are then imposed on the pore-scale images acquired at different 
fractional flows, and each sphere is assigned to a phase depending on the gray-scale value that lies in its center: 
we do not consider intermittency and assign a unique occupancy dependent on the average gray-scale level. Pore 
occupancy was characterized on images, of size 7.95 × 7.95 × 15.9 mm, located in the center of the sample, for 
all fractional flows, where gas fractional flow (fg) is first increased while oil and water (fo and fw) are decreased, 
and then gas is decreased while oil and water are increased, see Figure 9.

Figure 9a shows that when oil is first injected into the water-wet rock, it invades the largest pores confining water 
to smaller ones, as expected (Scanziani, Singh, et al., 2018). During the subsequent injection of oil and water, 
water imbibes into the corners in wetting layers, displacing oil in the smaller pores and restricting it to flow in the 
larger pores. Some oil gets trapped in the center of the pores surrounded by water wetting layers, see Figure 8a.

During the simultaneous injection of gas, oil and water, gas replaces oil in 
the larger pores, forcing it to flow in spreading layers in the medium sized 
pores, while water flow is restricted to smaller pores, see Figure 9c. Some of 
the oil that was trapped during two-phase flow gets reconnected in regions 
of the pore space smaller than those occupied before as a consequence of oil 
spreading. As the gas fractional flow is increased, the oil and water flows 
decrease, Figures 9d and 9e, gas squeezes more oil and water into smaller 
sized pores. From this we can establish a clear wettability order in the sys-
tem, where water is the most-wetting phase, residing in the smallest pores, 
gas is the most non-wetting phase, occupying the biggest pores, while oil, is 
the intermediate-wet phase, spreading in layers sandwiched between gas and 
water, and filling medium sized pores; this wettability order is also evident 
from Figure 8b. This is consistent with previous experiments conducted on 
water-wet media at immiscible gas-oil conditions (Feali et  al., 2012; Øren 
et al., 1992; Scanziani, Singh, et al., 2018).

However, we observe a unique pore occupancy behavior as the saturation 
path is reversed, that is, the gas fractional flow is decreased, while the oil 
and water fractional flows are increased. There is little/no change in the 
three-phase pore occupancy when fg is decreased, as opposed to increasing 

Figure 7. (left) Probability density function of the in situ measured oil-water contact angles throughout the steady-state 
three-phase flow experiment at different fractional flows. (right) Two-dimensional pore-scale images of the same pore, at two 
different fractional flows, illustrating that oil resides in the centers in the presence of water, confirming the water-wet state 
of the rock sample. The contact angles were measured through the denser phase using an automated algorithm developed by 
AlRatrout et al. (2017). fw and fo refer to water and oil fractional flows respectively.

Figure 8. Three-dimensional representation of the fluids arrangement in a 
single pore (a) before gas injection, and (b) after gas injection. Oil is shown 
in red, water in blue, gas in green, while the rock is rendered semi-transparent 
(gray).
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fg, which implies that pore occupancy is a function of saturation history, see Figures 9f–9h and 9i. This behavior 
can be ascribed to double capillary trapping, gas trapping by oil and oil trapping by water, which can permanently 
trap gas in the pore centers. Therefore, regardless of the increase in oil and water fractional flows, they would 
not be able to displace the trapped gas phase; gas remains trapped in the same pores. Also, since oil and water 
are injected at the same flow rate, they maintain their previously established pore occupancy. However, this can 
only be confirmed by looking at the fluid connectivity and saturations as we will show in Sections 3.4 and 3.5. 
Furthermore, this can have an impact on the relative permeability of oil and water, as having a trapped gas phase 
can restrict its flow in the pore space.

3.3. Interfacial Areas

Figure 10 shows measurements of the specific interfacial areas, area per unit volume, between the fluids and the 
fluids and solid quantified on segmented images of the whole sample at different fractional flows: intermittency 
is not accounted for, instead a single phase label was assigned to all voxels based on their gray-scale values. This 
meant that an intermittent voxel was either assigned to be gas or oil dependent on the nearest gray-scale value.

Figure 9. Stacked bar charts showing the pore occupancy in the pore space of the rock at different fractional flows. The phase that occupies the center of the pore is 
considered to occupy the pore. The size of the pores is determined by fitting them with inscribed spheres, the diameter of the sphere is the diameter of the pore. Pore 
occupancy was quantified on images of size 7.95 × 7.95 × 15.9 mm. Water is shown in blue, oil in red, and gas in green. Gas, oil, and water fractional flows (fg, fo, and 
fw) are stated in the respective images.
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The oil-water specific interfacial area remains constant throughout the two- and three-phase steady-state dis-
placements, with values around 1 mm−1, see Figure 10a. The specific interfacial area between oil and water is 
independent of saturation history under three-phase flow conditions, since the area is dominated by the contact 
between water in wetting layers close to the solid surface and oil either occupying medium-sized pores, or as a 
spreading layer surrounding gas. The gas-oil specific area, Figure 10d, is slightly higher than the oil-water one, 
which can be ascribed to oil being more wetting to gas, than water is wetting to oil; this is reflected in the gas-
oil and oil-water contact angles, where θgo = 0° compared to weakly wetting θow = 61° ± 16° (Section 3.1) as 
well as the lower gas-solid area compared to oil-solid. In contrast to the oil-water specific area, the gas-oil area 
appears to be a function of the saturation history; the gas-oil area remains roughly constant as the gas fractional 
flow is increased but shows a considerable change when it is decreased, even though the gas saturation is almost 
the same: as discussed below, this could be a result of intermittency. The gas-water interfacial area is zero since 

Figure 10. Specific interfacial areas between (a) oil and water, (b) water and solid, (c) oil and solid, (d) gas and oil, and (d) gas and solid measured on segmented 
images of the whole sample throughout the flooding experiment. Error bars represent uncertainty in the measurements.
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spreading oil layers prevent direct gas-water contact in the pore space. Oil spreading around gas also reduces the 
gas-solid specific area, see Figure 10e.

Similar to the gas-oil specific area, the water-solid and oil-solid areas are impacted by the saturation history under 
three-phase conditions, see Figures 10b and 10c. The huge variability in the gas-oil, gas-solid, and water-solid 
areas observed around the same saturation, when the gas fractional flow is decreased and oil and water fractional 
flows are increased can imply that the fluid configurations are constantly fluctuating between locations of local 
capillary equilibrium, despite having, macroscopically, constant saturations. This phenomenon is discussed in 
more detail in Section 3.6. Water-solid and oil-solid areas are the highest in the pore space, with a slightly larger 
water-solid area due to water residing in wetting layers close to the solid surface.

3.4. Fluid Connectivity

Here, we assess the fluid connectivity in the pore space both qualitatively and quantitatively in Figures 11 and 12, 
and Table 3. To qualitatively examine the connectivity, the fluids were first isolated from the segmented images, 
and each disconnected object, in the image of the isolated phase, is labeled with a distinct color. Again, all voxels 

Figure 11. Three-dimensional maps of the in situ gas connectivity in the pore space of the water-wet rock under three-
phase steady-state conditions at different gas, oil, and water fractional flows. Each disconnected cluster is labeled with a 
different color. Gas, oil and water fractional flows (fg and fw,o) are stated. N-Euler refers to the normalized Euler number 
listed in Table 3. Images on top are acquired during the increasing gas fractional flow path, decreasing oil and water, while 
on the bottom are images acquired during decreasing gas fractional flow, increasing oil and water. On the right, is the image 
acquired at a gas fractional flow of 1 which is the only time the gas is connected across the sample.
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were given a unique phase label: intermittent regions were assigned to either gas or oil phases dependent on the 
nearest gray-scale value. Figures 11 and 12 show in three-dimensions the in situ connectivity of the gas and oil 
phases respectively at different fractional flows, a large color range represents a poorly connected phase, while a 
narrow color distribution indicates better connectivity.

We observe a distinct gas flow pattern during the steady-state flow of gas, oil, and water in the water-wet rock, 
see Figure 11. Gas, the most non-wetting phase, advances through the pore space in the form of disconnected gan-
glia; gas is not connected although it is continuously injected into the sample. This gas flow pattern contradicts 
the conventional assumption that the gas phase is connected in the larger pores in water-wet rocks at steady-state 
conditions, which is implemented in current three-phase flow models. Instead, by combining pore-scale imaging 
with steady-state three-phase flow, it has been discovered that gas, in fact, flows in disconnected clusters when 
injected simultaneously with oil and water in a water-wet system. Disconnected unsteady-state gas flow has been 
previously observed in a strongly oil-wet three-phase system, where gas was intermediate-wet, using synchrotron 
X-ray source (Alhosani, Scanziani, Lin, Selem, et al., 2020), but not over a range of fractional flows in steady-
state in a water-wet system.

Figure 12. Three-dimensional maps of the in situ oil connectivity in the pore space of the water-wet rock under three-
phase steady-state conditions at different gas, oil, and water fractional flows. Each disconnected cluster is labeled with a 
different color. Gas, oil and water fractional flows (fg and fw,o) are stated. N-Euler refers to the normalized Euler number 
listed in Table 3. Images on top are acquired during the increasing gas fractional flow path, decreasing oil and water, while 
on the bottom are images acquired during decreasing gas fractional flow, increasing oil and water. On the right, is the image 
acquired at a gas fractional flow of 1.
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Furthermore, we see that disconnected gas flow persists under both increasing gas fractional (fg), decreasing oil 
and water fractional flows (fo and fw), and decreasing fg (increasing fo and fw). This demonstrates that gas never 
connects across the sample, unless fg = 1, when only gas is flowing, see Figure 11. Therefore, we attribute the 
flow of gas in disconnected clusters when injected simultaneously with oil and water to the swelling of oil and 
water in the throats, the restrictions between the pores, continuously trapping gas in the pore centers. Since water 
and oil invade the pore space in an imbibition process, in the presence of gas, their layers thicken and coalesce 
in the throats disconnecting the gas phase. Gas is considered trapped in a double capillary trapping mechanism. 
Therefore, the only way for gas to progress through the pore space is through double and multiple displacement 
processes, as we will show in Section 3.8. The disconnected flow pattern can have huge implications on the gas 
relative permeability as we will show in the next section. Moreover, it shows that subsequent water injection, 
after gas injection, to trap gas is unnecessary in gas storage applications as gas naturally gets disconnected in the 
pore space (Blunt, 2017). However, intermittent pathways are not included in this analysis which, in theory, can 
improve the gas connectivity in the pore space.

As mentioned in Section  2.3, we repeated the experiment in the same sample at one set of fractional flows 
(fg = 0.5, fw,o = 0.25) during both increasing and decreasing gas flow paths to confirm this observation of dis-
connected gas flow at steady-state conditions. The connectivity results in the repeat experiment are shown in 
Figure S3. We find that in the repeat experiment gas was also disconnected with positive Euler numbers per unit 
volume of 31 mm−3 and 25 mm−3 during increasing and decreasing gas flow paths respectively. These values are 
even larger than the Euler numbers measured in the main experiment at the same fractional flows in the two flow 
paths, 11 mm−3 and 16 mm−3, respectively, and reinforce the main conclusion that the gas phase is disconnected.

Figure 12 shows the three-dimensional connectivity of the oil at different fractional flows. Here we observe a 
unique trend in the oil connectivity: oil becomes more connected with increasing gas fractional flow, despite the 
simultaneous decrease in the oil flow; oil connectivity is enhanced as oil saturation decreases and gas saturation 
increases. The reason for this behavior is the spreading of oil in connected layers in the presence of gas. As the 
gas saturation increases, it invades new pores, where oil could be previously trapped by water; the trapped oil 
is then connected to the spreading oil layer surrounding the invading gas phase. This explanation is supported 
by examining the oil connectivity at fg = 1, where the gas saturation is the highest, when oil is most connected, 
see Figure 12. Conversely, oil becomes less connected as the gas fractional flow is decreased, and oil and water 
fractional flows are increased with trapping of gas. This indicates that, unlike gas, oil connectivity is a function 
of saturation history.

Flooding step fw fo fg

Normalized Euler characteristic [mm−3]

Water Oil Gas

1 1 0 0 - - -

2 0 1 0 −4909 1 -

3 0.5 0.5 0 −3781 23 -

4 0.25 0.25 0.5 −3348 −133 11

5 0.125 0.125 0.75 −3149 −182 13

6 0 0 1 −3133 −918 1

7 0.125 0.125 0.75 −3491 −232 15

8 0.1875 0.1875 0.625 −3483 −196 14

9 0.25 0.25 0.5 −3476 −183 16

10 0.3125 0.3125 0.375 −3508 −128 16

11 0.375 0.375 0.25 −3542 −163 18

Note. The Euler number was measured on segmented images of the whole sample and normalized to the total volume. f refers 
to the fractional flow, while subscripts w, o, and g refer to the water, oil, and gas phases respectively.

Table 3 
Euler Characteristic of Water, Oil, and Gas During the Steady-State Three-Phase Experiment at Different Fractional 
Flows
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Furthermore, we quantify the Euler characteristic of oil, water and gas on images of the whole sample to quanti-
tatively assess their connectivity in the pore space at different fractional flows (Herring et al., 2013, 2015; Mecke 
& Wagner, 1991; Vogel, 2002; Vogel & Kretzschmar, 1996), see Table 3. The Euler number (characteristic) is the 
number of objects (ganglia) minus the number of redundant loops in the ganglia. We quote values per unit vol-
ume. If a phase has a large positive Euler characteristic that means it is trapped into many discrete ganglia, while 
a large negative Euler characteristic implies a phase that is interconnected with many loops (Herring et al., 2019). 
Prior to measuring the Euler characteristic, features smaller than 10 voxels in size were filtered out of the images 
(Alhosani, Lin, et al., 2021; Herring et al., 2019).

The Euler characteristic results in Table 3 confirm that under steady-state three-phase flow conditions, oil and 
water are connected in spreading and wetting layers respectively, while gas is disconnected in the pore space. Oil 
connectivity is better under three-phase flow conditions compared to two-phase flow. Again, we see that oil gets 
more connected as fg is increased, and less connected as fg is decreased with maximum connectivity when gas is 
injected alone (fg = 1). The quantitative results support the qualitative observations that gas is disconnected when 
injected simultaneously with oil and water, and best connected when injected alone (fg = 1). Water is largely 
connected in the pore space under both two and three-phase flow conditions, due to its existence in wetting layers.

3.5. Three-Phase Relative Permeability

The gas, oil, and water steady-state relative permeabilities were calculated using the multiphase Darcy equations, 
Equations (1)–(3). The relative permeability of each phase is plotted as a function of its own saturation. As men-
tioned in Section 2.4, only the fluid saturations in the macro-pores were considered in this study. The saturation 
profiles of the three fluid phases, at different fractional flows, are plotted in Figure 13. Notice that Figure 13 is 
divided into two columns, in the left column, are the saturation profiles for the increasing fg, and decreasing fo 
and fw, flow path, while on the right are the saturation profiles for the decreasing fg, and increasing fo and fw. The 
saturation profiles for fg = 1 are plotted in both for reference. The averaged saturations, for all fractional flows, 
are plotted in a ternary diagram in Figure S4.

Figure 13a shows that the irreducible water saturation reached during two-phase flow, when fo = 1, is around 
0.32. The high irreducible water saturation is attributed to the water-wet nature of the rock and the low capillary 
pressure imposed at the end of primary drainage. Initial oil and water saturations at fw,o = 0.5, before gas injection, 
were 0.46 and 0.54 respectively, see Figures 13a and 13b.

At the first three-phase fractional flow, the gas saturation reached 0.15, with oil and water saturations of 0.38 
and 0.47 respectively, see Figures 13a–13c. At the end of the increasing gas saturation flow path, fg = 1, the gas 
saturation only reached 0.33, with 0.31 and 0.36 oil and water saturations. The water saturation is the highest as 
it remains connected in wetting layers in the corners of the pore space. Moreover, the gas rate was not increased 
at fg = 1 which explains the low gas saturation, high remaining oil and water saturations, when gas is injected 
alone: once gas established a flow path through the sample there was no further displacement. During increasing 
fg, and decreasing fo and fw, flow path, the gas saturation increased, while the oil and water saturations decreased 
as expected.

However, in contrast, during the subsequent saturation path, decreasing fg and increasing fo and fw, the fluid 
saturations remained largely constant regardless of the change in the fluid flow rates, see Figures 13d–13f. This 
explains why the pore occupancy also remained constant in this saturation path (Section 3.2). As discussed previ-
ously, this is due to gas trapping by oil and water layers. As gas gets trapped, it is immobilized in the pore space 
keeping the gas saturation constant, and since oil and water are injected at the same flow rate their saturations also 
remain constant. The high residual gas saturation observed indicates that water-wet oil reservoirs are ideal for gas 
storage applications; the stored gas is permanently immobilized once injection stops.

Nevertheless, since gas is continuously injected, although at lower flow rates than that reached at fg = 1, then 
some of the apparently trapped gas is displaced by double and multiple displacements. Therefore, we suspect that 
there are two types of trapped gas ganglia during the decreasing fg and increasing fo and fw flow path: (a) trapped 
gas which can move at a given flow rate during decreasing fg and increasing fo and fw; and (b) trapped gas which 
is immobilized permanently unless gas is injected at a higher flow rate than that applied at fg = 1 (higher than 
0.8 mL/min). This indicates that fluid saturations are indeed a function of saturation history. The saturation pro-
files did not show any signs of capillary gradients, the capillary end-effect.



Water Resources Research

ALHOSANI ET AL.

10.1029/2021WR031147

18 of 26

Moreover, since we observe, macroscopically, constant fluid saturations but changing fluid-fluid and fluid-solid 
interfacial areas during decreasing fg and increasing fo and fw, see Figure 10, we hypothesize that during this sat-
uration path we never genuinely attain steady-state conditions at the pore-scale, and that the fluid arrangement is 
constantly fluctuating between two or more locations of local capillary equilibrium. There is a small gradient in 
gas saturation with a slight tendency for gas to accumulate near the outlet, the top of the sample, due to the effects 
of gravitational forces; see the discussion in the Supporting Information S1.

To calculate the three-phase relative permeability, the pressure drop across the sample was measured. The meas-
ured differential pressures (ΔP), at all fractional flows are plotted in Figure 14. The reported pressure is the 
stable differential pressure, at apparent steady-state conditions, measured over a period of 1 hr, after a minimum 
waiting time of at least 12 hr for each fractional flow. Reported in Figure 14 are the mean pressure values used 

Figure 13. Fluid saturation profiles of (a) water, (b) oil, and (c) gas during increasing gas fractional flow, decreasing oil and water fractional flows, and of (d) water, (e) 
oil, and (f) gas during decreasing gas fractional flow, increasing oil and water, plotted along the length of the whole sample. Fluid saturations in the macro-pores only 
are considered. Note that the saturation profiles are approximately constant with distance indicating that there is no noticeable capillary end effect. Gas, oil, and water 
fractional flows (fg and fw,o) are stated.
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to calculate the three-phase relative permeabilities, with their corresponding standard deviations. Increasing the 
gas flow rate decreased the pressure drop which is consistent with the introduction of a less viscous phase in the 
sample (Blunt, 2017). The pressure drop in the flow lines was insignificant compared to that measured across the 
sample and hence was ignored.

First, we compare our two-phase relative permeabilities, measured in flooding steps 1–3, see Table 1, with a 
two-phase relative permeability experiment conducted on a smaller water-wet Bentheimer sandstone sample of 
diameter 6.1 mm and length 25.8 mm (Lin et al., 2018, 2019). The two-phase relative permeabilities are shown 
in Figure S5. The results show that the measurements are in agreement, and the only discrepancy is at irreducible 
water saturation which is larger in our experiment, since we imposed a lower capillary pressure and the end of 
primary drainage.

Figure 15 shows the measured water, oil, and gas three-phase relative permeabilities at steady-state conditions. 
We compare our relative permeability with two three-phase relative permeability experiments, labeled as Exp 
A and Exp B, conducted by Alizadeh and Piri (2014a) on a larger sample of Bentheimer sandstone (3.81 cm 
in diameter and 15.24 cm in length). Figure 15 is divided into two columns: in the left column, are the relative 
permeabilities measured during the increasing fg, and decreasing fo and fw, flow path, while on the right are the 
permeabilities of the decreasing fg, and increasing fo and fw path. Note that Exp B only investigates the increasing 
fg flow path.

The data set of Alizadeh and Piri  (2014a) was chosen to validate our measurements against for a number of 
reasons: (a) the same rock type, Bentheimer sandstone, was used; (b) similar initial oil and water saturations 
(before gas injection); and (c) the same saturation path is investigated, first, increasing fg, and decreasing fo and 

Figure 14. The measured pressure drops across the sample using a differential pressure transducer for 1 hr when steady-state conditions are reached at different 
fractional flows. Gas, oil and water fractional flows (fg and fw,o) are stated. The mean pressure drop values, with their corresponding standard deviations are shown.
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fw, and then decreasing fg, and increasing fo and fw, with equal oil and water 
flow rates.

We observe that the water and oil relative permeabilities in our experiment, 
for increasing fg, agree with the data of Alizadeh and Piri  (2014a) which 
indicates the accuracy of our steady-state three-phase relative permeability 
measurement method. Furthermore, it shows that the sample size used in 
our experiment is well within the representative elementary volume (REV) 
for relative permeability, see Figures  15a and  15c. However, Figures  15b 
and 15d show that for decreasing fg, the measured water and oil relative per-
meabilities are in a different saturation range compared to the data of Al-
izadeh and Piri (2014a). This is because they increased the gas flow rate at 
fg = 1, which reduced the water and oil saturations in the pore space, while 
we did not. Hence our permeability measurements are at lower gas saturation 
compared to Alizadeh and Piri (2014a), see Figures 15e and 15f. However, 
we still see a match in the gas relative permeability at low gas saturations for 
increasing fg, see Figure 15e.

Figure 15 shows that, in our experiment, the gas relative permeability is low-
er than the oil and water relative permeabilities, despite gas occupying the 
larger pores. This counter-intuitive behavior can be explained by the discon-
nected gas flow observed in Section 3.4. Although both oil and water flow 
in connected layers, the oil relative permeability is still higher than the water 
one, Figures  15a–15c, and  15d. This is attributed to oil flowing in medi-
um-sized pores, while water flows in smaller pores and layers close to the 
solid surface.

Our results show that the saturation history has little impact on the water 
relative permeability, see Figure S6a. This is expected since water is the most 
wetting phase in the pore space. However, we observe a clear dependency of 
oil and gas relative permeabilities on the saturation history, see Figures S6b 
and S6c.

3.6. Intermittency in Three-Phase Flow

We observe that a significant fraction of the pore space is filled with two 
fluid phases during the scan time, identified by an intermediate gray-scale 
level, see Figure 16. This pore-scale phenomenon, called intermittency, has 
been seen hitherto in two-phase flow and refers to the alternative filling of 
the same pore by two immiscible fluid phases (Gao et al., 2017, 2019; Gao, 
Raeini, et al., 2020; Reynolds et al., 2017; Spurin et al., 2019a, 2019b).

In two-phase flow, intermittency has only been observed at moderate to high 
flow rates (Gao, Lin, et al., 2020), where the relationship between rate and 
pressure gradient is non-linear, far from the Darcy (capillary-dominated) re-
gime. The onset of the transition from the Darcy regime to the non-linear 
behaviour was quantified by Zhang et al. (2021) using a pore-scale energy 
balance. We use their approach, assuming two-phase flow between gas and 
oil, and oil and water, see Figure S7. For oil-water displacement, the flow is 

clearly in the Darcy capillary-dominated regime, whereas for gas-oil flow, because of the lower gas viscosity, 
the experiments are on the predicted boundary between Darcy-like and intermittent flow. This suggests that the 
intermittent flow regions observed in our three-phase experiment can occur even under capillary-controlled flow 
conditions. Since gas, the most non-wetting phase, is disconnected in the pore space, it can only progress through 
the intermittent opening and closing of critical flow paths facilitated by double and multiple displacement events.

We identify two intermittent regions in the pore-scale images: (a) a more dominant gas-oil region, and (b) an 
oil-water region, see Figure 16. No intermittent gas-water flow was observed since the two phases do not directly 

Figure 15. The measured three-phase relative permeability of (a) water, (c) 
oil, and (e) gas during increasing gas fractional flow, decreasing oil and water 
fractional flows, and of (b) water, (d) oil, and (f) gas during decreasing gas 
fractional flow, increasing oil and water. Exp A and Exp B data from Alizadeh 
and Piri (2014a). The upward and downward pointing arrows represent the 
saturation path where gas fractional flow (fg) is increased and decreased 
respectively. Error bars indicate the uncertainty in the measurements.
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contact each other in the pore space. In Figure 17, we quantify the intermittent gas-oil fraction of the pore space 
at different fractional flows and show that it occurs mostly in intermediate-sized pores, smaller than those occu-
pied by gas, which indicates that gas forges temporary pathways to increases its conductance in the pore space.

3.7. Local Capillary Pressure

Using pore-scale imaging we were able to measure the local capillary pressures simultaneously with the steady-
state three-phase relative permeability. Figure 18 shows the measured oil-water and gas-oil pressures using the 
curvature-based approach described in Section 2.5.2. Again, intermittency was not considered in this analysis; we 
do not expect this to influence the trend of capillary pressure change with saturation.

The two-phase oil-water capillary pressure is compared with the pressure measurements of Lin et  al.  (2019) 
obtained using two-phase flow imaging on a water-wet Bentheimer sandstone, see Figure 18a. The measured 
oil-water capillary pressures are in the same range (+2.5 kPa ± 0.4 kPa) demonstrating the consistency of the 
curvature-based approach. A positive oil-water capillary pressure indicates that the rock surfaces are indeed wa-
ter-wet. There is little change in the oil-water capillary pressure with water saturation in both experiments; this is 
due to the relatively narrow pore size distribution of the Bentheimer sandstone, see Figure S1.

Figure 16. Two-dimensional unfiltered pore-scale images showing the occurrence of gas-oil and oil-water intermittency under three-phase flow conditions in the same 
pore at different fractional flows. The upward and downward pointing arrows represent the saturation path where gas fractional flow (fg) is increased and decreased 
respectively. Water is shown in white, rock in light gray, oil in dark gray, and gas in black. Intermittency appears with with a gray-scale value that is in between the 
gray-scale values of the two intermittent phases.

Figure 17. (a) Quantification of the fraction of the pore space occupied by gas-oil intermittency at different gas to oil fractional flow ratios. (b) A bar chart showing the 
pore occupancy of gas-oil intermittency at flooding step 5, see Table 1.
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Under three-phase flow conditions, Figure 18b, the oil-water capillary pressure decreased with increasing water 
saturation as expected. The gas-oil capillary pressure is also positive, with an average value of +0.26 kPa ± 0.4 kPa, 
indicating that oil is wetting to gas, see Figure 18c. This confirms the expected wettability order, water-oil-gas 
from most to least wetting, for the water-wet system at immiscible conditions. The gas-oil capillary pressure 
increased slightly with gas saturation. Again, it was not possible to measure the gas-water capillary pressure due 
to oil spreading layers preventing their contact in the pore space.

3.8. Double and Multiple Displacement

As gas exists in the form of disconnected ganglia, it can only propagate through the pore space by double and 
multiple displacement chains. These displacements will always involve oil as a mediator between gas and water 
as the two phases do not contact each other in the pore space.

Two double displacement processes were observed in the steady-state pore-scale images: (a) a gas-oil-water dou-
ble displacement and (b) a water-oil-gas displacement, see Figure 19. The same double displacements were pre-
viously observed in water-wet unsteady-state experiments (Alhosani, Bijeljic, & Blunt, 2021; Øren et al., 1992; 
Scanziani, Singh, et al., 2018; Sohrabi et al., 2004). Figure 19a shows images of a gas-oil-water double displace-
ment process in a single pore. Water was first displaced by oil in a drainage process which was then displaced by 
gas in another drainage process. Notice that during a gas-oil-water double displacement, gas does not completely 

Figure 18. The curvature-based (a) two-phase oil-water, (b) three-phase oil-water, and (c) three-phase gas-oil capillary pressures plotted as a function of water and gas 
saturations. Increasing fg represents the pressures obtained during the increasing gas fractional flow, decreasing oil and water fractional flows, saturation path, while 
decreasing fg is of the decreasing gas fractional flow, increasing oil and water, path. The two-phase oil-water capillary pressures are compared to the measurements of 
Lin et al. (2019). Error bars indicate the uncertainty in the measurements.
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displace oil and water out of the pore space; oil and water remain connected in spreading and wetting layers re-
spectively. However, during a water-oil-gas displacement, where oil first displaces gas in an imbibition process 
followed by another imbibition process when oil is displaced by water, the displaced phases completely exit the 
pore space; there is no remaining oil and gas, see Figure 19b.

4. Conclusions
We have developed a methodology to couple steady-state three-phase relative permeability measurements with 
high-resolution pore-scale X-ray imaging (5.3 μm per voxel). Three-phase relative permeability was determined 
simultaneously with capillary pressure at different gas, oil, and water fractional flows in a water-wet sandstone 
rock under capillary dominated conditions. In our water-wet system, at immiscible conditions, water is the most 
wetting phase, residing in small pores and wetting layers, gas is the most non-wetting phase, occupying the large 
pores, while oil is the intermediate-wet phase, forming spreading layers in the medium-sized pores. Combining 
macroscopic measurements of flow properties with pore-scale imaging allowed the following discoveries to be 
made:

1.  Disconnected gas flow at steady-state conditions: We observed a unique gas flow pattern at steady-state con-
ditions, where gas advances through the pore space in the form of disconnected ganglia mediated by double 
and multiple displacement processes. This behavior was attributed to the continuous swelling of water and oil 
layers in the throats, trapping gas in the pore centers. Gas was only connected in the pore space when injected 
at a gas fractional flow of one.

2.  Intermittent flow: We identified intermittent gas-oil and gas-water regions, where both phases interchange-
ably occupied the same pores during the scan time. Gas-oil intermittency was more dominant. No gas-water 
intermittency was observed because the direct contact of the two phases is prevented by oil spreading layers. 
This intermittency is similar to that observed at moderate to high flow rates in two-phase flow but is observed 
in three-phase flow even under capillary-dominated displacement conditions. The periodic opening and clos-
ing of flow paths to gas facilitates its flow: gas ganglia are not advected through the pore space, but undergo 
a stop-start type transport, akin to cars controlled by traffic lights.

3.  High residual gas saturation: A high residual gas saturation was observed in the flooding experiment; once 
gas invaded the pore space, it was not possible to displace it, when water and oil fractional flows were sub-
sequently increased. This is due to double capillary trapping, where gas is trapped in the center of the pores 

Figure 19. Three-dimensional images showing the occurrence of (a) gas-oil-water double displacement, and (b) water-oil-
gas double displacement in the water-wet rock under capillary-dominated conditions. Water is shown in blue, oil in red, gas in 
green, while the rock phase is rendered semi-transparent (gray).



Water Resources Research

ALHOSANI ET AL.

10.1029/2021WR031147

24 of 26

by oil and water layers; when more water and oil are injected, they imbibe in the corners of the pore space 
surrounding the gas phase in the centers, keeping it trapped. This has huge implications for gas storage appli-
cations in water-wet oil reservoirs, as it ensures that once gas is injected it remains trapped and does not flow 
once injection ceases.

4.  Understanding three-phase relative permeability: The low gas relative permeability seen in water-wet systems, 
albeit occupying the largest pores, can now be attributed to disconnected gas flow. Even though both water 
and oil exist in layers, oil has higher relative permeability, which is ascribed to water occupying smaller pores 
than oil. The impact of saturation history on gas and oil relative permeabilities was larger than its impact on 
the water relative permeability. Our relative permeability results were in agreement with core-scale three-
phase relative permeability measurements indicating the accuracy of our method.

5.  Capillary pressures: The capillary pressure measurements displayed a positive oil-water and gas-oil capillary 
pressures consistent with a wettability order of water-oil-gas, from most to least wetting.

6.  Double displacements in steady-state flow: Two double displacement processes were observed: (a) gas-oil-
water, and (b) water-oil-gas. The latter is essential for gas to progress through the pore space since it exists 
in disconnected ganglia. During a gas-oil-water double displacement, oil and water remain connected in the 
corners of the invaded pore, while no residual gas and oil phases are left during a water-oil-gas displacement.

This analysis uncovers several topics for future work. (a) We need to quantify the apparent relative permeability 
for different flow rates. Is there a linear relationship between flow rate and pressure gradient and for what range 
of capillary number? (b) The analysis could be extended to mixed-wet and oil-wet rocks, and for a wider range 
of rock types. (c) The implications for modeling need to be explored. It is evident that the current quasi-static 
assumption of pore network models that compute relative permeability based on the connected network of each 
phase through the pore space is flawed. For empirical models that use two-phase analogies to predict three-phase 
properties, again the predictions are likely to be significantly in error since they do not encapsulate the unique 
nature of three-phase flow.

Data Availability Statement
The data acquired in this work are available online on the Digital Rocks Portal: https://doi.org/10.17612/
g5m1-qy82.
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